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We develop a method to measure liquid relative permeability in rocks directly from transient in situ
saturation profiles during gravity drainage experiments. Previously, similar methods have been used for
sandpacks; here, this method is extended to rocks by applying a slight overpressure of gas at the inlet.
Relative permeabilities are obtained in a 60 cm long vertical Berea sandstone core during gravity drainage,
directly from the measured unsteady-state in situ saturations along the core at different times. It is shown
that for obtaining relative permeability using this method, if certain criteria are met, the capillary pres-
sure of the rock can be neglected. However, it is essential to use a correct gas pressure gradient along the
core. This involves incorporating the pressure drop at the outlet of the core due to capillary discontinuity
effects. The method developed in this work obtains relative permeabilities in unsteady-state fashion over
a wide range of saturations quickly and accurately.

© 2016 Elsevier Ltd. All rights reserved.

1. Introduction

Along with pressure-saturation measurements, relative perme-
ability of a particular media is a crucial multi-phase property. But
relative permeability measurements are difficult, time consuming,
and expensive endeavors, especially for three-phase flow (Grader
and O’'Meara Jr, 1988; Honarpour and Mahmood, 1988; Oak et al.,
1990). Moreover, the obtained data are sometimes not representa-
tive of the exact processes occurring in the reservoirs due to limi-
tations, interpretations, and assumptions attributed to each mea-
surement method (Geffen et al., 1951; Richardson et al., 1952;
Jones and Roszelle, 1978; Oak, 1990; Mohanty and Miller, 1991;
Fassihi and Potter, 2009).

The steady-state method was the first method proposed for
two- and later three-phase relative permeability measurement
(Osoba et al., 1951; Geffen et al., 1951; Richardson et al., 1952;
Braun and Blackwell, 1981). However, this method is time consum-
ing, expensive, and only provides a limited number of points on
the relative permeability curve. In addition, careful attention must
be paid to the design of these experiments to minimize the satu-
ration gradients at the outlet side of the core due to capillary end
effects (Osoba et al., 1951; Richardson et al., 1952; Rapoport and
Leas, 1953).
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As an alternative for faster measurements, unsteady-state meth-
ods have been proposed and used (Welge, 1950; Johnson et al.,
1959; Sarem, 1966; Saraf et al., 1982; Virnovskii, 1984; Grader
and O’Meara Jr, 1988; Siddiqui et al., 1996). These methods al-
low the phase saturations to change naturally. Consequently, these
methods can potentially mimic flow processes occurring in reser-
voirs better than steady-state methods, since steady-state methods
pre-determine the flow rates of fluids. However, the calculation of
relative permeability from unsteady-state experiments require as-
sumptions and interpretations of the measured pressure drops and
effluent fractional flows, which may not necessarily hold (Mohanty
and Miller, 1991). Particularly, the measured fractional flows in the
effluent may be altered by capillary end effects, thus the pressure
gradient measured across the core may be very different than the
local pressure gradients of each phase (Geffen et al., 1951; Osoba
et al., 1951; Richardson et al., 1952; Rapoport and Leas, 1953).

It is also possible to calculate relative permeabilities by history
matching data; these data can be pressure, production, or satu-
ration data measured during unsteady-state flooding experiments
(Maini and Batycky, 1985; Maini and Okazawa, 1987; Vizika and
Lombard, 1996). However, the calculated relative permeabilities are
susceptible to errors due to local heterogeneity and capillarity. In
addition, the resulting relative permeability curves are not unique,
which is characteristic of inverse methods (Sigmund and McCaf-
fery, 1979; Kerig and Watson, 1987).

Recently, Sahni et al. (1998) and others (Naylor et al., 1996;
DiCarlo et al., 2000a; DiCarlo et al., 2000b; Dehghanpour et al.,
2011; Dehghanpour and DiCarlo, 2013a; Kianinejad et al., 2014)
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Nomenclature

g gravity, m/s?

k absolute permeability, m?

ki relative permeability to phase i, dimensionless
P capillary pressure, Pa

Penery entry capillary pressure, Pa

P; pressure of phase i, Pa

Si saturation of phase i, dimensionless

Swr residual water saturation, dimensionless
u; flux of phase i, m/s

z position along the core, m

t time, s

Greek letters

A Brooks—Corey exponent, dimensionless
i viscosity of phase i, cp

Pi density of phase i, kg/m3

D; potential of phase i, Pa

) porosity, dimensionless
Subscripts

i phase

g gas

w water

obtained relative permeabilities from saturation profiles during
gravity drainage experiments in vertical sandpacks. They showed
that if particular criteria are met, the capillary pressure gradients
can be neglected and relative permeabilities can be obtained
directly from in situ saturation profiles. Using this method, they
obtained many relative permeability data points over a range of
saturations; this is opposed to other methods which only provide
a limited number of points over the saturation space. However,
this method suffered from the following issues:

o It was only applicable to unconsolidated sandpacks with low
capillary forces.

e The saturation path of the experiments in three-phase space
was chosen by nature, and they did not have any control on
the saturation path of their experiments.

o It only obtained relative permeabilities at low saturations (S <
0.3), due to fast saturation changes at early times of the exper-
iments.

In reservoirs, there is no practical difference between consoli-
dated rocks and unconsolidated sands as the fluid column height
is large enough to create high driving forces solely due to gravity
(Hagoort, 1980; Naylor et al., 1996; Zhou and Blunt, 1997; Reza-
veisi et al., 2010; Mohsenzadeh et al., 2011). But in the laboratory,
rocks require long cores (>1m) so that the fluid column pressure
can exceed the entry capillary pressure of the core, and the flu-
ids inside the core can flow by gravity. It is practically impossible
to have long cores in laboratory, and shorter cores show no fluid
movement due to insufficient fluid column pressures. This is why
only sandpacks have been used in laboratory experiments (Sahni et
al,, 1998; DiCarlo et al., 2000a; Dehghanpour et al., 2010; Dehghan-
pour et al,, 2011; Kianinejad et al., 2014). Sandpacks have smaller
capillary forces, thus fluids can drain by gravity even in shorter
columns.

In this work, we extend this gravity drainage method to con-
solidated rocks by using a small gas pressure gradient to overcome
the capillary entry pressure. With this extension, we obtain rela-
tive permeabilities in consolidated rocks in unsteady-state gravity
driven experiments, directly from the measured in situ saturations
along the core samples. We measure two-phase water relative per-
meability in a 60 cm long Berea sandstone core. Although we inject

gas from the top, the drainage process is still a gravity-dominated
process; the injected gas is only to allow the in situ fluids (wa-
ter/oil) to drain by gravity.

2. Theory and formulation

The gravity drainage method for obtaining relative permeabil-
ity has been shown to work well in sandpacks (Sahni et al., 1998;
DiCarlo et al., 2000a; DiCarlo et al., 2000b; Dehghanpour and Di-
Carlo, 2013b; Kianinejad et al., 2015). The basic idea is to fill the
column with liquid; open up the bottom and top to let liquid flow
out and gas to flow in; and measure the saturation of the liquid
phase i as a function of space and time, S;(z, t). Using these data,
the flux of phase i is found using mass conservation. The relative
permeability as a function of saturation is then calculated directly
from the definition of relative permeability

-1
k do,
kri = _ui(ﬂi dz ) (1)

where u ([LT-']) is fluid flux, k is permeability ([L?]), k- ([=]) is
relative permeability, i ([ML~1T-1]) is viscosity, ® is fluid poten-
tial ([ML~1T=2]), and z ([L]) is position along the core. Subscript i
denotes phase.

Needed in this calculation is the potential gradient. For sand-
packs draining under gravity, it has been shown that for the cen-
ter section of a 1 m long column, this gradient can be estimated to
be the gravitational gradient, p;g (Sahni et al., 1998; DiCarlo et al.,
2000a; Dehghanpour and DiCarlo, 2013a; Kianinejad et al., 2014).
This is the case when one liquid phase (oil or water) drains (being
replaced by gas), and also when two liquid phases (oil and water)
drain.

Conceptually, this method also works for consolidated rocks.
Measuring the saturation as a function of space and time (and cal-
culating the fluxes) is exactly the same for rocks as it is for sand-
packs. The difficulty for rocks arises in determining the potential
gradient.

In practice, this method fails for the simple reason that if the
core is 60cm of length - which in practice is a long laboratory
core — capillary forces hold in the liquid and do not allow gas to
penetrate the core. Mathematically, it is equivalent to say that for
rocks, the gas entry pressure is greater than the maximum gravi-
tational potential. Or in terms of Eq. (1), the gradient of the total
potential (®; = P, + p;gz) is zero throughout the column, and thus
there is no flow. Clearly, if the core remains saturated with liquid,
this precludes a relative permeability measurement. If the core was
longer, this issue would greatly lessen, but cores longer than 60 cm
are hard to handle and must be obtained from outcrops.

Thus the goal in any drainage relative permeability measure-
ment in rocks is to make sure that one can: (a) get gas into the
core and allow flow of the liquid(s), and (b) estimate the gradient
of the liquid phases accurately.

We accomplish this by injecting gas at the inlet at a pressure
greater than the outlet gas pressure. This excess gas pressure is
chosen to overcome the gas entry pressure, thus allowing the col-
umn to drain. In the following, we show how we can calculate
the liquid pressure gradient under this combined gas injection and
gravity drainage scenario.

Substituting the definition of capillary pressure (P.=P;—P)
into the total modified pressure, and taking the gradient gives

do; dPs(z. t) dP.(z,t)

H=—22" 4 pg —C0 7 2
where Py ([ML-1T-2]) is the gas pressure, p; ([ML—3]) is the liquid
phase density (which is assumed to be much greater than the gas
phase density), and P ([ML~1T-2]) is the capillary pressure, which
is dependent on the saturation of phase i.
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In estimating the contributions to the total gradient on the right
hand side, we first note that the gravity gradient (p;g) is constant
and known throughout the column. This is the main driving force
in sandpack gravity drainage experiments. Here, the capillary pres-
sure gradient (%) and the gas pressure gradient (%) terms need
to be expressed in comparison to the gravity gradient.

First, consider the capillary pressure gradient. If the pressure-
saturation curve is known, this can be estimated from the observed
saturation profiles using the chain rule
dPR.(z,t) dP.3S(z,t) 3

dz — dS 0z (3)

Although ostensibly straightforward, the difficulty lies in tak-
ing spatial derivatives of the saturation data, as when data exhibit
any sort of fluctuations or “noise” caused by heterogeneities, their
derivatives amplify the noise. Instead of directly calculating this
gradient, we look for regions in the profile where on a global scale
2D - pg, or equivalently 25Z0 << pg(U%)~1 In this case, the
capillary pressure gradient is small enough to be ignored. In sand-
packs, it has been shown (Kianinejad et al., 2015) that this satura-
tion gradient condition is met in regions of the column:

o Away from (>15cm) entry and exit of the core;
e Behind (>15cm) the moving drainage front.

Simply, in these regions, the saturation profiles in sandpacks are
relatively “flat” with space. Independent pressure measurements
have confirmed that in these regions the capillary pressure gradi-
ent is much lower than the gravitational gradient (DiCarlo, 2003).
Thus in this work, we attempt to see if we can get “flat” satura-
tion regions in rocks by injecting gas. As will be shown, we find
that above a certain injection pressure, this condition can be met
in rocks.

Next, consider the gas pressure gradient, %. In previous rela-
tive permeability measurements in sandpacks using this method,
gas was not forced in, and the pressure gradient for the gas phase
was assumed to be negligible compared to the gravitational gra-
dient, because ug <« w; (Sahni et al., 1998; DiCarlo et al., 2000b;
Dehghanpour et al., 2011; Kianinejad et al., 2014). This is a com-
mon assumption for flow in soils or sandpacks, as is shown in
Richards’ equation (Richards, 1931) for water movement in uncon-
solidated soils. However, in this work, by injecting gas at pressures
higher than entry pressure, we create non-negligible gas pressure
gradients. Fortunately, this gradient is relatively uniform in the
bulk of the core, and can be estimated from measurements and
straightforward multi-phase modeling. Still, it is advantageous to
use lower injection pressures, as we still want the gravitational
gradient to dominate, and the higher the injection pressure the
higher the gradient. Later in this text, we show how this term is
estimated and included in the calculations.

As mentioned above, calculating the flux from the saturation
profile and the other parameters needed to obtain the relative per-
meability are straightforward. From mass conservation, the fluid
flux (u;(z, t)) as a function of space and time is found from the
saturation profiles as follows (Kianinejad et al., 2015):

fzz=*0 ([Sl (Z, tj+1) — S,‘(Z, tj)]¢dl)
i1 =1

where S ([-]) is fluid saturation, ¢ ([—]) is porosity, and t ([T]) is

time. Subscript j denotes time step.

The rest of the parameters in Eq. (1), i.e. the core’s absolute
permeability, and fluid density and viscosity, can be easily mea-
sured outside of the drainage experiment. Once all the required pa-
rameters are obtained from the measured saturation profiles, rel-
ative permeabilities at discrete points can be calculated through
Eq. (1) at the sections of the core which meet the above men-
tioned criteria. In particular, the relative permeability data mea-

(4)

Lli(Z*, tj+1/2) =
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Fig. 1. Capillary pressure-saturation curve of the Berea core: experimental data ob-
tained through the mercury intrusion capillary pressure method (MICP) and the
Brooks—-Corey model best fit.

sured in this work are obtained from the saturation data at the
middle 20 cm (z = 20 — 40cm) of our 60 cm long Berea core where
the mentioned criteria are met.

It should be noted that the same principles can be applied to
three-phase systems to measure relative permeability of two lig-
uid phases, e.g. water and oil. However, the relative permeability
of the gaseous phase cannot be obtained, as the flux of the gas
phase is not measured during the experiments (gas is being in-
jected at constant pressure). In addition, this method is not ap-
plicable to liquid-liquid systems, e.g. two-phase oil/water system;
the criteria mentioned above will not be met as the differences in
density and viscosity of the two liquid phases is much smaller; one
of the key factors in this method is that the injected phase should
have a relatively low viscosity. Moreover, this method requires long
cores for two reasons: (a) to provide enough room for saturations
to develop spatially uniform (flat) sections, and (b) to have these
sections away from the capillary discontinuity at the inlet and out-
let of the core.

3. Materials
3.1. Rock sample

A single Berea sandstone core was used for all the experiments
presented in this work. The Berea core was 60 cm long and 7.6 cm
in diameter, with a uniform porosity of 0.215 along the core mea-
sured by CT scanning. The permeability of the Berea sandstone
sample used in the experiments was measured as 300 mD from a
separate core sample cut from the same Berea block with 24.1 cm
length and 3.8 cm diameter. Capillary pressure of the rock sam-
ple was measured using the mercury intrusion capillary pressure
(MICP) method. Fig. 1 shows the measured capillary pressure curve
and the Brooks-Corey fit to the experimental data after converting
the raw data to the water-gas system using corrections explained
by Pini and Benson (2013). The Brooks-Corey model (Brooks and
Corey, 1964)

1—-5S 1/h
Pow =P (5,53 ®

fits the experimental data with P, = 13.8 kPa(2 psi), Swr = 0.25,
and A = 1.66.

3.2. Fluids

A light brine (1 wt% sodium bromide aqueous solution) was
used for all two-phase water/gas experiments as the aqueous
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Table 1
Physical properties of the fluids used in the experiments.

Fluid Density (kg/m3)  Viscosity (cp)
Light brine (1 wt% NaBr) 1006 1.02
Air 1.2 0.02
Table 2
Two-phase experiments with different initial and conducting
conditions.

Test  Type of drainage  Gas injection pressure (kPa)

1 Primary 8.27
2 Secondary 26.06
3 Secondary 42.26
4 Secondary 61.77
5 Primary 61.77

phase, while air was used as the gas phase. The physical proper-
ties of the fluids are summarized in Table 1.

4. Methods
4.1. Fluid calibrations

To calculate fluid saturations during the experiments, calibra-
tions at one x-ray energy (100 kV) were required. The calibrations
for gas and brine saturated core were obtained once the core was
completely dry (100% gas saturated), and once when the core was
completely saturated with brine.

0.4 1
= Initlal

0.3 ——1%5min ||
=280 min

0.2 390 min H
——533min
——1 day, 71 ml

0.1r ---zda;,n:l:’

0 ‘ ‘ ‘ ‘ = = =3 day, 64 min
0 10 20 30 40 50 60

Distance from top (cm)

Fig. 2. Water saturation profile along the core at different times during two-phase
water/gas experiment Test 1.
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4.2. Saturation measurement

Using a vertical positioning system, the core was moved verti-
cally and scanned at different positions with 2 cm intervals from
top to the bottom. Since the experiments involved two phases, the
core was scanned at only one energy level to measure the in situ
saturations along the core during the experiments. Combining the
measured CT values with the fact that summation of water and
gas saturations equals to one, fluid saturations along the core were
calculated at different times, S;(z, t) (Krevor et al., 2012).

4.3. Experimental procedure

In this work, five two-phase, water/gas gravity drainage exper-
iments were conducted on a single Berea core sample. Each ex-
periment was conducted under a different injection pressure to in-
vestigate the effect of injection pressure on saturation profiles, and
obtained relative permeabilities, with Test 1 being at the lowest
pressure and Test 5 at the highest. To prepare the core for Test 1,
the core was vacuumed from the top for several hours, and then
was completely saturated with brine injecting from the bottom.
In Test 1 gas was injected from the top of the core at 8.27 kPa
(1.2 psig). Tests 2-4 started from the initial condition of residual
gas: these tests had gas injected at pressures of 26.06, 42.26, and
61.77 kPa (3.78, 6.13, and 8.96 psig), respectively. For Test 5, the
core was restored to 100% brine saturation the same way as that
of Test 1; then gas was injected at 61.77 kPa (8.96 psig). The initial
and operating conditions of the experiments are listed in Table 2.

During all the experiments, the core was vertically oriented
with the outlet of the core open to the atmosphere. The injected
gas was first bubbled through a column of water before entering
the core to equilibrate the gas with water vapor and avoid any sat-
uration changes due to evaporation of fluids inside the core.

1
1
0.4 PSSP | ]
- e X I7neitiall
Pid - —76 min
0.3r PR Lol ! —— 248 min
.’ e : : 555 min
0.2r Pae i ; —— 1413 min
e ; ; —1 day, 489 min
01+ P i H = = =2day, 323 min ||
) . | | = = =3 day, 282 min
0 ‘ | ‘ | == -4flay, 1367 min
0 10 20 30 40 50 60

Distance from top (cm)

Fig. 3. Water saturation profile along the core at different times during two-phase
water/gas experiment Test 2. The dash-dotted lines show the region of the core
from which the saturation data are used to calculate relative permeability.

5. Results
5.1. Saturation vs. space and time

We first show how the saturation profiles develop in time for
each drainage as a function of applied gas pressure. Fig. 2 shows
the water saturation profile along the core during the primary
drainage (S,; = 1) experiment (Test 1) with the lowest gas injec-
tion pressure (1.2 psig or 8.27 kPa). Here, the gas enters the core,
but the gas front stops at z=25 cm; below this height water is still
being held by capillary forces.

In the next four experiments, each drainage used a higher gas
injection pressure. The goal was to move the drainage front fur-
ther down, and see how the injection pressure affects the satura-
tion profiles in (a) providing more spatial room for saturations to
change along the core, and (b) obtaining spatially uniform satura-
tion regions which meet the capillary criteria for calculating rela-
tive permeabilities.

Figs. 3-6 show the water saturation profiles in time for these
experiments with sequentially increasing gas injection pressures.
Fig. 3 shows Test 2 which was conducted at a slightly higher
injection pressure (3.78 psig or 26.06 kPa). Comparing Fig. 3 with
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Fig. 4. Water saturation profile along the core at different times during two-phase
water/gas experiment Test 3.

Fig. 2 shows that injecting gas at 26.06 kPa drives the water front
all the way down to the bottom of the core, while the capillary
end effect reduces to the bottom 20 cm of the core.

Figs. 4-6 show Tests 3-5 at gas injection pressures of 42.26,
61.77, and 61.77 kPa respectively. In these figures, with increasing
pressure, the capillary end effect is moved further down the col-
umn. This also yields a longer region in the column where the sat-
uration is relatively constant in space.

Clearly, the profiles are slightly different with different injection
pressures; the question now becomes accurately obtaining relative
permeability from these profiles. As mentioned in Section 2, this
comes down to obtaining the overall modified pressure gradient;
i.e. the sizes of the capillary pressure gradient and the gas pressure
gradient. We first look at the gas pressure gradient.

5.2. Gas pressure gradient

As mentioned above earlier, the previous studies that used
gravity drainage method to measure relative permeabilities in
unconsolidated sandpacks (Sahni et al, 1998; DiCarlo et al,
2000a; DiCarlo et al., 2000b; Dehghanpour and DiCarlo, 2013b;
Dehghanpour and DiCarlo, 2013a; Kianinejad et al., 2014) neglected
the gas pressure gradient term, %, since the pressure gradient
of the gas phase was considerably smaller than the gravitational
gradient, p;g (Kianinejad et al., 2015).

In contrast, the injection gas pressures in this study are signif-
icant compared to the gravitational gradient, and cannot be ne-
glected. In this work, pwg = 9.86 '% while injection gas pressures
in our 60 cm long core of Berea sandstone during Tests 2-5 are
26.06, 42.26, 61.77, and 61.77 kPa, respectively. This yields to over-
all gas pressure drops per length of 43.4, 70.4, 103, and 103 %
respectively.

However, it is necessary to evaluate the local gas pressure gradi-
ent, dPg;f‘t), for each experiment at the middle section of the core.
It is well known that due to capillary discontinuity at the outlet
of the core, there will be wetting phase hold up and large satura-
tion gradients at the outlet, regardless of the measurement method
(Osoba et al.,, 1951; Richardson et al., 1952; Rapoport and Leas,
1953). This behavior is seen in many studies including the current
study, shown in Figs. 3-6. Due to this capillary hold up at the out-
let, a large part of the pressure drop during core floods occurs in
the last few centimeters of the core.

The same end effect is observed in this study. As shown in
Figs. 3-6, there exists a water hold-up region in the bottom 10-

20 cm of the core due to capillary end effect (capillary discontinu-
ity). To estimate the pressure drop in this end region and use the
correct value of pressure gradient in the middle 20 cm of the core,
we ran numerical simulations using our in-house simulator to ob-
tain the correct gas pressure gradient in the middle section of our
core. Fig. 7 shows the gas pressure along the core at different times
for gas injection pressures of 26.06, 42.26, and 61.77 kPa, the same
values as those used in Tests 2-5, respectively. Fig. 7 shows that,
after the passage of the gas front to the bottom, the gas pressure
gradient at each position along the core did not change with time
during the entire experiment. It is evident in Fig. 7 that there is
a sharp pressure drop at the bottom of the core, which is due to
capillary end effect mentioned above. To obtain the water relative
permeabilities for Tests 2-5 (discussed in the following), we first
found the gas pressure gradient associated with the middle 20 cm
of the core (z=20-40cm) for each experiment. The dashed lines
in Fig. 7 show the slope of the gas pressure profile for each exper-
iment at the middle of the core. The local gas pressure gradients
shown in Fig. 7 are % =14.7, 35.5, and 61.6 '% corresponding to
those used in Tests 2-4, respectively. The gas pressure gradient of
Test 5 is the same as that of Test 4. These values are significantly
smaller than the overall pressure gradients mentioned earlier; sim-
ply, a large portion of the overall pressure drop is taken up in the
end effect.

To determine gas pressure gradient in the middle of the core,
we used a wide range of water and gas relative permeability
curves to examine the sensitivity of the gas pressure gradient on
the input relative permeabilities. We used gas relative permeabili-
ties ranging from keg = 0.1 x Sg? t0 krg = Sg%, and krg = 0.1 x Sg° to
krg = Sg°; and water relative permeabilities from kpy = 0.1 x Sy° to
krw = Sw®. Our results show that, the gas pressure gradient changes
less than 0.35%, 1.53%, and 2.5% for Tests 2-4, respectively, for the
given range of relative permeabilities. These changes in pressure
gradients translate into less than 0.25%, 1.2%, and 2.1% change in
calculated relative permeabilities, respectively. These small changes
confirm the robustness of the estimated gas pressure gradients for
relative permeability calculations.

5.3. Capillary pressure gradient

For the capillary pressure gradient, the ideal case is to find re-
gions of the column where it is much less than the gravitational
gradient. This is equivalent to finding regions where the saturation
is “flat” or more exactly the spatial saturation gradient is small,
since a small  will lead to a small 4% through 4% = & ©u.
We have P; vs Sy for the Berea sandstone used (Fig. 1). From this,
|:115%| varies between 11 and 146.2 kPa (1.6 and 21.2 psi) depending
on the saturation.

Let us look at this criteria in terms of the data shown in
Figs. 2-6. For the lowest gas injection pressure (Fig. 2), we see
that much of the column was not invaded. For the part that was
invaded, we find saturation gradients of dj—;” > 0.82m~'. For these
saturation, Igs—Pval > 11.7kPa is obtained from the capillary pressure
curve of the Berea sandstone sample (Fig. 1). Consequently, the
capillary pressure gradient (|9%|= |4 | x G ~9.6%2) is com-
parable to gravitational gradient (,owg:Q.SGI%), ie. % ~1;
these capillary gradients are too large to be ignored. In essence,
here the capillary gradient matches the gravitational gradient
which stops the flow of water.

The saturation profiles shown in Fig. 3 have a much smaller
saturation gradient in the top 40 cm of the core compare to that
of Test 1 shown in Fig. 2. As mentioned before, the top 15cm of
the core is affected by the capillary entry effect; in addition, the
bottom 20 cm is affected by the capillary end effect. Importantly,
the middle 25 cm section of the core meets the criteria mentioned
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above for relative permeability calculations. In this section, the
saturation profiles are spatially uniform and have small gradients
that result in a negligible capillary pressure gradient. For example,
the saturation profile corresponding to t=76 min (solid red curve)
shown in Fig. 3 has a saturation gradient of |dj—;v| <0.12m! in
the middle 25cm of the core, far from the entrance and exit of
the core. In this section, 55% ~ —23.03 kPa, calculated from the
measured capillary pressure curve for the rock sample (see Fig. 1).

Consequently, |%| <27 '% This is significantly smaller than the

gravitation gradient (pwg = 9.861%), with % <0.28.

Figs. 4, 5, and 6 show profiles for increasing gas injection pres-
sures of 42.26, 61.77, and 61.77 kPa respectively. In these figures,
with increasing pressure, the capillary end effect is moved further
down the column, yielding a longer region with a low saturation
gradient. As above, these measured saturation gradients can be
combined with the capillary pressure curve to obtain estimates of
the capillary pressure gradient. For example, for Fig. 4, the satura-
tion gradient corresponding to t=298 min is |‘f—y| <0.12m™ 1,
yielding a capillary pressure gradient of |%| < 3.8%
(% < 0.38). For Figs. 5 and 6 the values of saturation gradient
are even smaller, and yield smaller capillary pressure gradients.

The relative magnitude of the capillary pressure gradient be-
comes even smaller once the gas pressure gradient is incorporated.
In the previous section, the gas pressure gradient is estimated in
the middle of the core for each experiment from numerical simu-
lations; as a reminder, in Test 2, the gas pressure gradient in the
middle of the core is % = 14.7'%‘. Adding the gas pressure gradi-
ent to the gravitational gradient, results in the relative magnitude

of the capillary pressure gradient of dl’g%[f/f;wg < 0.11. This con-

firms that the capillary pressure gradient for this section is small
compared to gas pressure gradient and gravitational gradient, and
ignoring capillary gradients in the relative permeabilities results in
a bias of 11% or less. Incorporating gas pressure gradient for Test 3-
5 shows that if the data are chosen in the low saturation gradient
region, the capillary pressure gradient can be ignored with a bias
of less than 5%. Table 3 summarizes some examples of saturation
and capillary pressure gradients of Test 1-4.

5.4. Water relative permeability

We use the saturation data of the middle 20 cm section of the
core to calculate the relative permeabilities of water during the
two-phase experiments, Tests 2-5, shown in Figs. 3-6. To obtain
relative permeability from each experiment, we used gas pressure
gradients of 14.7, 35.5, 61.6, and 61.6 '% for Tests 2-5, respec-
tively, corresponding to the value estimated for the middle section
of the core in each experiment based on simulation results dis-
cussed above. In addition, we considered the gravitational gradient
in all the calculations as pwg = 9.86‘%, while neglected the capil-
lary pressure gradient term, (%). since it was negligible compared
to the gas pressure and gravitational gradients, as discussed above.

In the following, we first show the relative permeabilities ob-
tained from Test 3, and move on to Tests 4 and 5. We then go
back to Test 2, because the results of Test 2 are slightly different
from those of the other experiments.

Fig. 8 shows the obtained water relative permeability for Test
3, where the gas is being injected at 42.26 kPa. In this figure, the
shown relative permeability data correspond to the middle 20 cm
section of the core (z=20-40 cm), for 7 different time intervals; this
leads to 60 total data points. From this test, relative permeability is
obtained for saturations between 0.3 and 0.7, with the relative per-
meabilities being between 10~3 and 10~!. The overall data follow a
normal relative permeability curve obtained from Berea sandstone
(comparisons will be shown later).

In Fig. 8 the overall curve is continuous, but there is some mi-
nor structure due to the nature of the method. In particular, the
data from each time interval (shown in a different color) form a
“I"” shape structure. This structure is discussed in detail later.

Figs. 9 and 10 show the water relative permeabilities obtained
from Tests 4 and 5. Again, the data show that at intermediate and
high saturations, the data from each time interval line up smoothly
together to form a single relative permeability curve. However, for
the later time interval measurements, which correspond to lower
saturations (see Figs. 5 and 6), the structure of the relative perme-
ability data shifts from following the overall curve to vertical lines.
These are essentially the vertical part of the “I"”.

Fig. 11 shows the relative permeability data obtained for Test 2
which is the lowest injection pressure (26.06 kPa). Here the curve,
while in the same overall position, is much more disjointed than
the curves at higher pressures. Looking closer at the structure for
individual time intervals, the “I'” shape is still observed, with some
intervals showing the vertical leg of the “I'” shape, and the later
times showing the horizontal top.

Fig. 12 shows all the relative permeabilities shown i
n Figs. 8-11 in a single plot. In this figure, the relative per-
meabilities from each test show consistent behavior, with the
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Fig. 7. Gas pressure (gauge pressure) profile along the core at different times for gas injection pressures of (a) 26.06, (b) 42.26, and (c) 61.77 kPa as those of Tests 2-4,
respectively. It is also shown in dashed line the slope of the gas pressure profile in the middle of the core.

Table 3
Capillary and gas pressure gradients during each experiment.

Test  Corresponding time of saturation profile (min)

|| (m~h)

dp./dz dp./dz

I5&] (kPa) | %] (kPajm)

dSw Pwg PwgtdP;/dz
1 Overall > 0.82 > 117 9.6 ~ 1 ~ 1
2 76 < 0.12 ~ 23.03 <27 < 0.28 <011
3 298 < 0.12 ~ 30.7 <38 < 0.38 < 0.08
4 62 < 0.02 ~ 22.55 < 045 < 0.04 < 0.006

measurements done at the highest gas pressure (Test 5) providing
data for the highest saturations. Although slight differences among
the tests can be observed, (most notably at low saturations), the
overall structure is a single relative permeability curve. This shows
the robustness of the method; as long as there is enough gas pres-
sure to force the water down the core, the relative permeability
will be accurate - there is no need to optimize for a particular
pressure.

6. Discussion

In this section, we (a) show how that adding the gas pressure
gradient to the relative permeability calculations is necessary, (b)
discuss possible reasons for the structure that is seen in the in-
dividual relative permeability curves, and (c) compare the data to
published data.

6.1. Gas pressure gradient

Earlier in the paper, it is mentioned that previous stud-
ies obtained relative permeabilities in sandpacks through gravity
drainage experiments by ignoring the gas pressure gradient due to
its negligible values compared to gravitational gradient (Sahni et
al., 1998; DiCarlo et al., 2000a; DiCarlo et al., 2000b; Dehghanpour
and DiCarlo, 2013b; Kianinejad et al., 2014). To show that the gas
pressure gradient term must be included in the relative perme-
ability calculations for consolidated rocks, the water relative per-
meability for Tests 2-5 were calculated also based on consider-
ing only fluid gravity while neglecting capillary pressure and gas
pressure gradients. Fig. 13 shows relative permeabilities assuming
only gravitational gradient. In this figure, two features are evident.
First, the relative permeability curve is shifted higher than Fig. 12;
some of the data have relative permeabilities over one. Second, the
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Fig. 8. Water relative permeability during two-phase water/gas experiment Test 3.
The times shown in the legend correspond to the middle-time of each of two con-
secutive saturation profiles shown in Fig. 4.

10° : : : ‘

sf

107, 02 0.4 0.6 0.8 1

S

w
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Fig. 10. Water relative permeability during two-phase water/gas experiment Test 5.

curves from each test overlap less than they did in Fig. 12. This is
simply a fact of having the wrong overall gradient by ignoring the
gas pressure gradient. The relative permeabilities above unity re-
sult from underestimating the gradient by a factor of 2.5, 4.6, and
7.2 for Tests 2-4, respectively. Since the different tests have differ-
ent gas gradients, failure to incorporate these gradients results in
different curves for different tests in Fig. 13.
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Fig. 11. Water relative permeability during two-phase water/gas experiment Test 2.
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Fig. 12. Water relative permeability obtained from all two-phase experiments, Test
2-5, on log scale.
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Fig. 13. Water relative permeability calculated by ignoring gas pressure gradients.
This is incorrect and yields more scatter and relative permeability values greater
than 1.

6.2. Nature of the structure in relative permeability curves

As pointed out in the results, for each time interval, the set of
data points that is obtained tends to show a “I"” shape. This shape
is most likely due to the ignoring of capillary forces, and actually
can give us an estimate of when ignoring capillary forces is a rea-
sonable assumption. Taking a step back, essentially each relative
permeability point is the measured flux divided by the pressure
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gradient, multiplied by some constant normalizing factors (viscos-
ity and permeability). In this method, the flux is obtained from in-
tegrating the saturation changes, and the pressure gradient is as-
sumed to be just the gravitational gradient and gas pressure gradi-
ent which are constant in time and space. In actuality, the pressure
gradient is not constant in time and space, as the capillary gradient
does change. If the criteria are met (only data from center 20 cm),
the capillary pressure gradient is a small fraction of the overall gra-
dient. But changes in this gradient then may be enough to create
the structure of the data that is observed.

In terms of the capillary gradient, it is straightforward to get a
rough estimate from the saturation gradient, but hard to get an ex-
act number. As mentioned earlier, this is because of natural vari-
ations in the saturation due to heterogeneities in the sandstone,
and taking gradients of these variations is difficult. This is why
the criteria were developed, to determine the general rules un-
der which the capillary gradient can be discounted. But still, even
within these criteria, there is likely to be a systematic variation of
the capillary gradient versus position, and that this variation ends
up affecting the measured relative permeabilities.

This systematic variation is likely leading to the “I'” shape in
the data for each time interval. This is because ignoring the cap-
illary forces can only result in an under-estimated relative perme-
ability as the capillary forces act to lower the overall gradient, and
the assumption is that the gradient does not have these forces. For
each time interval, since the highest relative permeability data are
at the knee of the “I'” shape, these are likely to have the smallest
capillary forces and be the least biased. This makes sense with our
criteria, and the “I"” shape. The bottom of the leg of the “I'” shape
is when the flux is low - these points are near the top of the col-
umn where the inlet capillary gradient is highest (DiCarlo, 2003).
Going downward in the column increases the flux (and recorded
relative permeability) and reduces the inlet capillary gradient. This
is the case for a while, but going further downward, the saturation
starts to increase much faster than the flux, producing the top part
of the “I'” shape. Here the saturation is higher than expected due
to the increasing capillary gradient toward the outlet of the col-
umn (DiCarlo, 2003). This again causes an underestimation of the
relative permeability data using this method. The knee in the “I'”
shape is the sweet spot, where the capillary gradient is at a mini-
mum, and thus are the most accurate relative permeabilities.

As shown in Figs. 8 through 11, depending on the flow rate and
the time interval, different parts of the “I'” shape are observed.
For instance, in Fig. 8, from each time interval there are 10 points
corresponding to saturations and fluxes at 2 cm spatial intervals.
These 10 points form a “I"” shape because as one heads down-
stream (or down column) both the flux and the saturation increase.
Near the top of the 20 cm interval, the flux (which in turn becomes
the relative permeability) increases faster than the saturation - this
forms the vertical leg of the “I"” shape. Near the bottom of the in-
terval, the saturation increases faster than the flux - this forms the
horizontal top of the “I'” shape. This shape is most representative
for the data around a saturation of 0.5 (this is for time interval
1123 and 1850 min). For earlier times (and higher saturations and
fluxes), the vertical shape is prevalent over the top part, and for
later times (and lower saturations) the horizontal top is prevalent.

Therefore, early data (high saturation) are more affected by the
inlet boundary, while late data (low saturation), the capillary gradi-
ents from the outlet play more of a role. But in general, the devia-
tions in the relative permeabilities for one time interval of data are
at most a factor of 50% from the general curve. This is true even
at the greatest distance away from the knee for the inlet and the
outlet. This shows that the capillary forces can be safely ignored
as long as one chooses positions that matches the criteria; going
further out in position (to the outlet and inlet) and stretching the
criteria produces much greater deviations. This also can be seen in
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Fig. 14. The water relative permeability curve obtained in this study for Berea core
along with those of Berea core samples published in the literature, on log scale.

the difference between Fig. 8 and Fig. 11. In Fig. 11, the capillary
gradient is the highest, leading to the largest “I'” shape and vari-
ations. Fig. 12 shows that when all the data are brought together,
one main curve is obtained.

6.3. Water relative permeability of Berea sandstone in literature

As another way to validate our method, we compare our data
to other experimental water relative permeability data measured
on Berea samples. Fig. 14 shows four sets of published water rel-
ative permeability data of Berea core samples using steady-state
method along with the water relative permeability measured in
this study (Oak et al., 1990; Perrin and Benson, 2010; Krevor et
al., 2012; Akbarabadi and Piri, 2013). Fig. 14 indicates that the rel-
ative permeabilities obtained in this work are in good agreement
with those of the literature on Berea core samples over the entire
saturation space. In addition, this method results in relative per-
meabilities over a wide range of saturations while the steady-state
method results in only a limited number of points on the relative
permeability curve.

7. Conclusions

In this work, we extended a relative permeability method to di-
rectly measure relative permeabilities during gravity drainage ex-
periments from unsteady-state in situ saturation profiles in con-
solidated rocks. We injected gas at the inlet of the core at pres-
sures higher than entry pressure of the rock to allow liquids to
drain by gravity to (a) apply a gravity drainage method to con-
solidated rocks, and (b) extend measurements to larger saturation
space. From this work, the following conclusions can be drawn:

e The gravity drainage method allows calculation of relative per-
meabilities quickly over a large saturation space and provides
many points on relative permeability curve.

e The obtained relative permeabilities from this method have

high accuracy due to direct measurement of relative permeabil-

ities from unsteady-state in situ saturations. In addition, it is
assured that the data are not compromised by capillary entry
and end effects.

Extremely small relative permeabilities (10~% —10~3) can be

obtained from this method.
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o It is essential to incorporate the correct gas pressure gradi-
ent into the relative permeability calculations by removing the
pressure drops at the outlet of the core due to capillary effects.

o No prior knowledge of the P. curve is needed because capillary
pressure is negligible if the mentioned criteria are met.
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